
Journal of Power and Energy Engineering, 2023, 11, 24-41 
https://www.scirp.org/journal/jpee 

ISSN Online: 2327-5901 
ISSN Print: 2327-588X 

 

DOI: 10.4236/jpee.2023.115002  May 31, 2023 24 Journal of Power and Energy Engineering 
 

 
 
 

Corrosion-Based Integrity Analysis of Offshore 
Pipeline for Hydrocarbon Transportation 

David Emmanuel Udonsek1, Daniel Tamonodukobipi1, Victor Effiong Odokwo2 

1Department of Marine Engineering, Rivers State University, Port Harcourt, Nigeria 
2Department of Marine Engineering, Akwa Ibom State University, Ikot Akpaden, Nigeria 

 
 
 

Abstract 
Conventional pipeline corrosion assessment methods result in failure pres-
sure predictions that are conservative, especially for pipelines that are sub-
jected to internal pressure and axial compressive stress. Alternatively, nu-
merical methods may be used. However, they are computationally expensive. 
This paper proposes an analytical equation based on finite element analysis 
(FEA) for failure pressure prediction of a high toughness corroded pipeline 
with a single corrosion defect subjected to internal pressure and axial com-
pressive stress. The equations were developed based on the weights and biases 
of an Artificial Neural Network (ANN) model trained with failure pressure 
from finite element analysis (FEA) of a high toughness pipeline for various 
defect depths, defect lengths, and axial compressive stresses. The proposed 
model was validated against actual burst test results for high toughness mate-
rials and was found to be capable of making accurate predictions with a coef-
ficient of determination (R2) of 0.99. An extensive parametric study using the 
proposed model was subsequently conducted to determine the effects of de-
fect length, defect depth, and axial compressive stress on the failure pressure 
of a corroded pipe with a single defect. The application of ANN together with 
FEA has shown promising results in the development of an empirical solution 
for the failure pressure prediction of pipes with a single corrosion defect sub-
jected to internal pressure and axial compressive stress. 
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1. Introduction 

In the last three decades, an estimated 90,000 km of marine pipelines were in-
stalled for the transportation of hydrocarbons, with a yearly increment of about 
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5000 km [1]. A typical subsea pipeline system consists of submerged pipelines, 
flow lines, risers, jumpers, pipeline end termination (PLET), tie-in and spool 
connection parts, subsea Christmas trees/manifolds, flow control valves, umbili-
cals, pumps, etc. as shown in Figure 1. In subsea development, a multiphase 
composite of oil and gas is usually transported from the subsea well to a produc-
tion platform without a separation process [2]. However, the integrity of these 
pipelines is often impaired by corrosion defects, dents, cracks, leaks, rupture, 
collapse and buckling [3] and this affects the integrity of pipelines. 

Pipeline structural integrity is the ability of the pipeline to discharge its func-
tion effectively under prevailing service conditions over a specified duration 
without failure. Corrosion poses the most serious challenge to subsea pipeline 
operations. Despite seawater and process fluid containing carbon dioxide (CO2) 
and hydrogen sulfide (H2S), free water can cause severe corrosion problems in 
oil and gas pipelines [4]. Several previous studies have investigated corro-
sion-based integrity analysis of offshore pipelines, including studies by Li et al. 
[5], Tang et al. [6] and Wang et al. [7]. However, these studies have focused on 
specific aspects of corrosion-based integrity analysis, and there is a need for a 
comprehensive investigation into the effectiveness of these techniques in assess-
ing the integrity of offshore pipelines. 

This study looks into how well corrosion-based integrity analysis methods 
work for determining the integrity of offshore pipelines. With the help of several 
corrosion-based integrity analysis tools, the study will concentrate on pinpoint-
ing the major corrosion hotspots, estimating the remaining strength of the pipe-
line, and predicting its remaining useful life. To determine the damage accumu-
lation, a time-dependent analysis of the structural properties and dynamic inte-
raction with the external environment is imperative [8]. This work is aimed at 
analyzing corrosion-based integrity of offshore pipelines for crude oil conveyance 
in the oil-rich Niger Delta region of Nigeria and to add to the body of knowledge 
by revealing how well these methods work for determining the integrity of off-
shore pipelines. 

 

 
Figure 1. Schematic of a field development showing subsea pipeline. 
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Mechanism of Corrosion 

Steel materials corrode when exposed to a corrosive environment such as sea-
water or moist soil, in which the environment acts as the electrolyte. Corrosion 
occurs as an electrochemical reaction. When metal corrodes in seawater (an 
electrolyte), neutral metal atoms passes into solution by forming positively 
charged ions (oxidation: M Mn+→ ) and producing excess electrons as given in 
M M en n+ −→ + . Since the oxidation occurs at the anode, it is called Anodic 
reaction [9]. Anodic equations for some metals are represented below: 

2

2

2

3

3

3

Cu Cu 2e
Fe Fe 2e
Zn Zn 2e
Al Al 3e
Cr Cr 3e
Ni Ni 3e

+ −

+ −

+ −

+ −

+ −

+ −

→ +

→ +

→ +

→ +












→ +

→ +

                       (1) 

The electrons lost from a metal are usually deposited on a non-metallic atom 
to form a negatively charged non-metallic ion. This reduction occurs at the ca-
thode: hence it is called Cathodic reaction. The reduction reaction at the cathode 
can either be: 

2 2O 2H O 4e 4OH− −+ + →                     (2) 

Or reduction of hydrogen ions in acidic conditions 

24H 4e 2H+ −+ →                        (3) 

Or reduction of water at higher PH 

2 24H O 4e 4OH 2H− −+ → +                    (4) 

In most cases, the corroded iron will be hydrated to form Hydrated ferric 
oxide (rust) as in Equation (5) 

2 2 2 3 24Fe 3O 2H O 2Fe O 2H O+ + → ⋅                 (5) 

The common technique for minimizing marine corrosion is the application of 
coatings combined with cathodic protection (CP). The effective use of cathodic 
protection for carbon steel enables steel pipes, which has little natural corrosion 
resistance, to be used in corrosive environments such as seawater, acidic soils, 
and salt-laden concrete [10]. The choice and performance of an anode depend 
on its size and position in the galvanic series. 

The anode utilization factor indicates the fraction of anode material that is 
assumed to provide cathodic protection current. Performance becomes unpre-
dictable when the anode is consumed beyond a mass indicated by the utilization 
factor. The utilization factor of an anode is dependent on the detailed anode de-
sign, in particular the dimensions and location of anode cores. Table 1 gives the 
anode utilization factor for different types of anodes [11]. 

Galvanic anodes for offshore application are generally based on either alumi-
nium or zine. The generic type of anodes materials is basically chosen by the 
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project owner and specified in the conceptual design report. Aluminium-based 
anodes are preferred because of their electrochemical capacity. However, zinc 
based anodes have sometimes been taken to be more reliable for application in 
the marine sediments or internal compartments with high bacterial activity [12]. 
Since corrosion is the deterioration of a metal by electro-chemical reaction, a 
proper understanding of the electrochemical activity or Galvanic Series of metals 
as shown in Table 2 is imperative. 

 
Table 1. Design utilization factors for different types of anodes [11]. 

Anode Type Anode Utilization Factor 

Long l) slender stand-off 0.90 

Long l) flush-mounted 0.85 

Short 2) flush-mounted 0.80 

Bracelet, half-shell type 0.80 

Bracelet, segmented type 0.75 

 
Table 2. Galvanic series of metals. 

Electrode Reaction Standard Potential, φ˚ in volts at 25˚C 

Au3+ + 3e− = Au 1.50 

Pt2+ + 2e− = Pt ∼1.2 

Pd2+ + 2e− = Pd 0.987 

Hg2+ + 2e− = Hg 0.854 

Ag+ + e− = Pt 0.800 

Cu+ + e− = Cu 0.521 

Cu2+ + 2e− = Cu 0.342 

2H+ + 2e− = H2 0.000 

Pb2+ + 2e− = Pb −0.126 

Sn2+ + 2e− = Sn −0.136 

Mo2+ +2e− = Mo ∼−0.2 

Ni2+ + 2e− = Ni −0.250 

Co2+ + 2e− = Co −0.277 

Ti+ + e− = Ti −0.336 

In3+ + 3e− = In −0.342 

Cd2+ + 2e− = Cd −0.403 

Fe2+ + 2e− = Fe −0.440 

Ga3+ + 3e− = Ga −0.53 

Cr3+ + 3e− = Cr −0.74 

Zn2+ + 2e− = Zn −0.763 
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Continued 

Cr2+ + 2e− = Cr −0.91 

Nb3+ + 3e− = Nb ∼−1.1 

Mn2+ + 2e− = Mn −1.18 

Zr4+ + 4e− = Zr −1.53 

Ti2+ + 2e− = Ti −1.63 

Al3+ + 3e− = Al −1.66 

Hf4+ + 4e− = Hf −1.70 

U3+ + 3e− = U −1.80 

Be2+ + 2e− = Be −1.85 

Mg2+ + 2e− = Mg −2.37 

Na+ + e− = Na −2.71 

Ca2+ + 2e− = Ca −2.87 

K+ + e− = K −2.93 

Li+ + e− = Li −3.05 

2. Materials and Methods 
2.1. Research Methods 

The CO2 induced corrosion of carbon-steel oil pipeline in the presence of liquid 
is affected by so many parameters. A slight change in one of these could signifi-
cantly alter the corrosion rate. The following are the most common: Tempera-
ture, Partial pressure of CO2, Fluid flow regime and velocity, PH value of trans-
port liquid, Corrosion product concentration in solution (FeCO3), Acetic acid 
concentration etc. Since corrosion-resistant alloys (e.g., 13% Cr steel and duplex 
stainless steel) are not economically viable for long-distance pipelines. It thus 
makes engineering sense that the desirable properties of other engineering ma-
terial that can serve the same purpose be utilized [13], the material for the pipe-
line in consideration is carbon steel ASTM A36 grade with the following materi-
al properties with Subsea Transmission Pipeline characteristics shown below and 
in Table 3: 
• Young Modulus, E = 200 GPa; 
• Stress, σy = 250 MPa; 
• Ultimate Tensile Stress, UTS = 400 - 550 MPa. 

The corresponding temperature profile of the site considered is represented by 
Figure 2. Water depth of less than 500 m, located in the Niger Delta region of 
Nigeria is considered. 

2.1.1. Prediction of Corrosion Rate and Wear of Carbon Steel 
Qin and Cui (2003) [14] corrosion model is used to demonstrate the corrosion 
rate and wear. This model and its variants are widely used to predict corrosion 
on general and specific cases. Equations (6) and (7) represent the corrosion  
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Table 3. Subsea transmission pipeline characteristics. 

Particulars Parameters 

Pipe size 254 mm (10") 

Pipe length 3500 m (12 m is used for the analysis) 

Nominal wall thickness 18 mm 

Internal diameter 236 mm 

Outer diameter 272 mm 

Pipe inlet pressure 34.4 bar 

Pipe inlet temperature 89˚C - 95˚C 

Operation time 6 years 

Pipe roughness 0.04572 mm 

Wall shear stress 0.57 - 8.57 Pa 

Standard used BS31.3 

Environment  

Seawater temperature 5˚C, 15˚C and 95˚C 

Seawater average PH 6.0 

Fluid type Multiphase 

Partial pressure of CO2 5.92 - 7.28 bar 

Gas velocity 0.20 - 0.24 m/s 

Liquid velocity 0.44 - 2.13 m/s 

 

 
Figure 2. Hydrographic chart for depth against seawater temperature (Source: Uyeghe 
Stubb Offshore Pipeline Project, 1985). 
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models for corrosion rate and wear, respectively. 

( )
1

expSt Stt T t T
dCr t

β β
β
η η η

−

∞

 − −    −    
  

⋅


=


            (6) 

( ) 1 exp Stt T
Cw t d

β

η∞

  −  − −   
 

=
    

                (7) 

where: time is 0 Stt T≤ ≤  and St LT t T≤ ≤ . 
Cr(t) = corrosion rate at time “t”, Cw(t)= corrosion wear at time “t”, d∞  = 

Long term corrosion wastage of pipe thickness max dd d D∞ = + , StT  = Instant at 

which corrosion is observed, LT = Life of the structure, dmax is the maximum 

wear in the distribution and dD  is chosen as max

100
d . 

However, Equation (6) can be rewritten as: 
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Then, Equation (8) reduces to: 
Y A BX= +                           (9) 

β , η , d∞  and StT  are the four random parameters of the model corres-
ponding to: 1.8281d∞ = , 1.40StT = , 0.3915β =  and 1.5180η = . Applying 
equation (9) using these values and by linear regression produces the line with: 
A= 0.1634 and B = −0.3915. 

Thus, the line is: 

0.1634 0.3915Y X= −                     (10) 

From Equation (10), the random parameters for Equations (8) and (9) can be 
derived as: 

0.3915Bβ = − =  and 
0.1634exp exp
0.391

1 0
5

1.5 8Aη
β

   = = =   
  

 

For this analysis, the effect of flow on sweet corrosion rate can be estimated 
using a resistance model as: 

1
1 1cr

r m

U

U U
+

                        (11) 
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where: crU  represents the corrosion rate in mm/year, rU  denotes the flow- 
independent reaction rate, mU  represents the flow-dependent mass transfer 
rate. 

For a multiphase turbulent flow in a pipeline, mU  is dependent on the flow 
velocity and the liquid film thickness. It can be estimated as: 

2

0.8

CO0.22.45m
UU p
d

= ⋅ ⋅                      (12) 

where the partial pressure of CO2 in bar, symbolised by 
2COp  can be obtained 

using the relationship: 

( )
( )

( )2

2

CO

2

mass flow of CO in the gas phase kmole h
total mass flow in the gas phase kmole h

mole% CO g
100%

P
p

P


×

= 


×

      (13) 

2.1.2. Temperature and pH Dependencies of Corrosion Rate 
The corrosion rate (CRt) in mm/year can be estimated more accurately by a set 
of temperature and pH dependent models which are expressed as follows: 

For 20˚C ≤ T ≤ 150˚C: 
( )CO2

2

0.146 0.0324log

CO pHCRt
19

f

t
SK f f

+
 = × × × 
 

            (14) 

For T = 15˚C: 
( )CO2

2

0.146 0.0324log

CO pHCRt 0.36
19

f

t
SK f f

+
 = × × × 
 

          (15) 

For T = 5˚C: 

2CO pHCRt 0.36 tK f f= × ×                    (16) 

Temperature affects the kinetics of the corrosion process and surface temper-
ature is a critical factor. When the surface temperature increases, the corrosion 
rate will rise sharply to the point at which evaporation of the electrolyte takes 
place. At this temperature, the corrosion rate will decrease quickly [15] [16]. The 
corrosion rate between temperatures can be obtained by linear interpolation. 
The corresponding corrosion constant Kt and pH-function are given in Table 4. 
At high pressure, gases are not ideal, and their partial pressures can be corrected 
by a fugacity constant. The fugacity function of CO2 pressure is expressed as: 

2 2CO COf a p= ×                        (17) 

The fugacity coefficient is given as 
( )

( )

0.0031 1.4

250 0.0031 1.4

10 for 250 bar

10 for 250 bar

P T

T

P
a

P

× −

× −

 → ≤= 
→ ≥

              (18) 

Since water depths of less than 500 m and an average PH = 6.0 are considered, 
temperatures T = 5˚C, T = 15˚C and T = 20˚C are implemented. The pH and 
fugacity functions corresponding to the chosen temperatures are calculated as: 
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Table 4. Corrosion constant for various temperatures. 

Temperature ˚C Kt 

5 0.42 

15 1.59 

20 4.762 

40 8.927 

60 10.695 

80 9.949 

90 6.250 

120 7.770 

150 5.203 

 
For T = 5˚C: ( ) ( ) ( )2pH 6 4.342 1.051 6 0.0708 6 0.5848f = = − × + × =  and Kt 

= 0.42 

2 2

10 9
CO CO 2.983 10 6.6 1.969 10f a p − −= × = × × = ×

 
where: 

( ) ( )0.0031 1.4 34.4 0.0031 1.4 5 1010 10 2.983 10P Ta × − × − −= ×==  
For T = 15˚C: ( ) ( ) ( )2pH 6 4.986 1.191 6 0.0708 6 0.3888f = = − × + × =  and 

Kt = 1.59 

2 2

4 3
CO CO 7.87 10 6.6 5.194 10f a p − −= × = × × = ×

 
where: 

( ) ( )0.0031 1.4 34.4 0.0031 1.4 15 410 10 7.87 10P Ta × − × − −= = = ×  
For T = 20˚C: ( ) ( ) ( )2pH 6 5.1885 1.2353 6 0.0708 6 0.3273f = = − × + × =  and 

Kt = 4.762 

2 2

3 2
CO CO 4.996 10 6.6 3.297 10f a p − −= × = × × = ×

 
where: 

( ) ( )0.0031 1.4 34.4 0.0031 1.4 20 310 10 4.996 10P Ta × − × − −= ×==  
The fugacity coefficients are valid, since the operating pressure is 34.4 bar, 

that is 250 barP ≤ . 

2.1.3. The Remaining Strength Criteria of Corroded Pipeline 
To determine the corroded pipe integrity, it is imperative for its remaining 
strength to be estimated. Some assessment parameters for corroded pipelines 
are: Allowable maximum length of defects, allowable maximum pressure for 
uncorroded pipelines and maximum safe pressure. Based on these, the predicted 
hoop stress level at failure of corroded pipe is approximated using Equation (19): 

( )flow
1

1
R

F
R F

AS S
A M

 −
=  

−  
                   (19) 
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where: flowS  is the flow stress of the material, RA  is the area ratio and 

flaw 0RA A A= , flawA  is the area of through thickness profile of flaw, 0A  is the 
area of uncorroded equivalence to flaw profile and 0A L t= × . 

Similarly: L is the maximum axial range of the defect, T is the nominal wall 
thickness of the pipe, D is the nominal diameter of the pipe and MF is the Folias 
factor, which is determined by: 

20.81F
LM

D t
×

= +
×

                      (20) 

2.1.4. Allowable Maximum Length and Depth of Defect 
The maximum allowable corroded length for a defect depth “d”, nominal wall 
thickness “t”, nominal diameter “D”, and depth ratio ( Rd d t= ) in the range of 

0.1 .80 Rd << , is estimated using Equation (21): 

2

1.12 1
1.1 0.15

R
D

R

dL D t
d

  
 = × − −   

              (21) 

By equating the maximum allowable operating pressure to the maximum al-
lowable design pressure, the maximum allowable defect depth can be estimated as 

When A ≤ 4 max 2

11.5
1 1

kd t
k A

 −
=  

− + 
             (22) 

When A > 4 ( )max 1d t k= −                   (23) 

where: the pressure ratio, op.max

max1.1
p

k
p

=  and 0.803 LA
D t

=
×

. 

However, when the safe maximum pressure is safe maxP P<  and A ≤ 4, its val-
ue is given by Equation (24) 

safe max

2

3 21.1
3 2

1

R

R

dP P
d

A

 
 − =
 − + 

                  (24) 

Similarly, as safe maxP P<  and A > 4, Equation (24) becomes 

( )safe max1.1 1 RP P d= −                      (25) 

2.1.5. Effect of Corrosion on Structures 
Integrity and strength capacity are the two critical design criteria considered for 
structural systems. Typically, structural capacity is a function of the cross-sectional 
dimensions of the structural member according to [17] as given in Equation 
(26). 

( ) ( )( )R t A p C tσ= − ⋅                     (26) 

where: C(t) is the corrosion loss as a function of time and P is the perimeter of 
the area exposed to seawater. For plates in bending, with corrosion possible on 
each side of the plate, the bending resistance becomes 
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( ) ( ) ( )2 2
2b b oR t K d t K d C tσ σ= ⋅ = ⋅ − ⋅                  (27) 

3. Results and Discussion 

This section presents the analyzed results of corroded pipeline with corrosion 
defect subjected to pressure load and hydrostatic compressive stress. Data ob-
tained from Turret Engineering Nig. Ltd are utilized to determine the parame-
tric influence of varying defect depths, defect lengths, and hydrostatic compres-
sive stresses as discussed in the following sections. 

3.1. Loss of Pipeline Thickness with Time 

Corrosion inhibitors may mitigate the rate of corrosion, but no subsea pipeline 
is 100% protected. The rate of corrosion may be high at the onset of corrosion 
when any protective layer is broken, as shown in Figure 3. The rate of depletion 
of the pipe thickness due to corrosion is continuous, except promptly mitigated. 
The analysis showed that the reduction in thickness during the first three years is 
0.20 mm, while the last five years is 0.055 mm. indicating a gradual slowdown of 
the corrosion rate as the years of service increases which correlates with the pre-
diction model produced by Qin and Cui [16]. 

3.2. Logarithmic Decay of Corrosion Rate with Time 

The corrosion rate decreases logarithmically with time as indicated in Figure 4.  
 

 

Figure 3. Loss of thickness due to corrosion on offshore pipeline. 
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Figure 4. Corrosion rate decreases: (a) Logarithmically and (b) Asymptotically (Exponen-
tial Model). 

 
This is true because the layers of corroded metal oxides tend to act as protective 
coating cover over the piping material. Their presence prevents the corrosive 
radicals from attacking the surface of the pipe below: thus, mitigating the rate of 
corrosion. Such reduction may not be obvious if surface erosion of metal oxide is 
prevalent. This agrees with the analysis given by Bia & Youde [2] based on 
time-dependent reliability analysis of corroded steel beam. This research’s model 
gives a realistic standard prevents early failure pipe detection. 
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3.3. Asymptotic Decay of Corrosion Wear Rate with Time 

Similar to corrosion rate, the corrosion wear rate decreases asymptotically along 
the x-axis as indicated in Figure 5. It shows that the wear rate is rapid at the be-
ginning but grows lesser due to flow obstruction by scaly corroded materials and 
debris. The latter slow down the erosion effect, and hence the wear rate as the 
pipe ages in the water. The reliability and fitness for purpose of such pipeline are 
gradually eroded as a result of the combined effect of corrosion and wear. Com-
pared to the model made available by David & Ramana [3], this model gives the 
closest output to corrosion wear and tear, therefore, can be used for wear and 
tear prediction for the aging corroded pipelines. 

3.4. Corrosion Rate Dependence on Temperature 

Figure 6 indicates that corrosion of subsea pipeline is sensitive to ambient water 
temperature. Until 15˚C, the corrosion rate curve is very gentle. Above that 
threshold temperature (15˚C), the corrosion curve is steeper. Considering the 
prediction model produced by Qin and Cui [16], this model provides an output 
that indicates the corrosion rate dependence on temperature and prevents early 
failure pipe detection. This implies that subsea pipeline in shallow water with 
higher ambient temperature would corrode faster than deep-water pipelines 
having lower ambient temperature. 

3.5. Corrosion Defect Length Ratio and Depth Ratio 

The effect of corrosion on subsea pipeline is continuous but differs in terms of 
its direction. Figure 7 presents corrosion defect length ratio and depth ratio. It is 
observed that the defect length ratio increases continuously with prolong service 
duration. Conversely, the defect depth ratio comes to a plateau after 20 years of  

 

 
Figure 5. Corrosion wear rate decreases asymptotically with time. 
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Figure 6. Sensitivity of corrosion rate to ambient seawater temperature. 

 

 
Figure 7. Variations of corrosion defect length ratio and depth ratio for service pipeline. 

 
service. It implies that the radial growth of corrosion defect into the piping ma-
terial stalls after several years. This can be elucidated by the formation of imper-
vious corroded deposits on the surface of the pipeline, making it difficult for 
continuous incursion of corrosion. With this discrepancy, corrosion becomes 
more of surface effect than material penetrating defect. So, offshore structures can 
readily be maintained by cleaning off superficial corroded layers by sandblasting, 
wire-brushing, and thereafter coating with anti-rust paint. 

3.6. Pipeline Failure Stress Ratio and Corrosion Length Ratio 

Every engineering system has its design stress limit before failure. The ratio of 
the actual failure stress at any time in service to design failure stress is consi-
dered here as the failure stress ratio. This quantity is plotted alongside the corro-
sion length ratio against service period as shown in Figure 8. It is observed that  
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Figure 8. Relationship between failure stress ratio and corrosion defect length ratio of a 
subsea hydrocarbon pipeline under service loads. 

 

 
Figure 9. Relationship between probability of failure and failure stress ratio of a subsea 
hydrocarbon pipeline. 

 
the failure stress ratio decreases from left to right as the corrosion defect length 
increases. Note that uninhibited corrosion of a subsea pipeline is prone to failure 
at stress level much below the design operating stress limit. For instance, in the 
analysis, from 2 to 5 years of operation, the pipeline coating is intact, and the 
failure stress ratio is 90% design stress limit. After 25 years, the failure stress ra-
tio is 20% the design stress limit, if unmitigated. The pipeline could rupture un-
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der loads well below the service load. To avoid such eventuality, subsea pipelines 
are adequately protected against corrosion. 

3.7. Pipeline Failure Probability and Stress Ratio 

In the current investigation, the integrity of a subsea pipeline is based on two in-
dices, such as the failure stress ratio, and the probability of failure. The plots of 
these parameters are shown in Figure 9. The probability of failure increases with 
decrease in failure stress ratio. At failure ratio of 90%, the probability of failure is 
4.0%. This means failure is unlikely as reliability and integrity are assured. 
However, after 17 years of operation, the failure stress ratio decreases to 45%, 
while the probability of failure becomes 51%. It implies greater tendency to fail 
and close monitoring is required. Eventually, after 25 years of operation, failure 
stress becomes 20%, while probability of failure is 75%. The pipeline at this stage 
is unreliable and dangerous for continuous usage. The investigation shows that 
the unprotected pipeline should not be used beyond 17 years, else failure due to 
rupture is imminent. 

4. Conclusions 

Subsea pipeline corrosion-induced failures have adversely affected pipeline inte-
grity. The corrosion-based integrity analysis of offshore pipelines for hydrocarbon 
transportation is a crucial aspect of ensuring the safe and reliable operation of 
pipelines. Corrosion is a significant threat to offshore pipelines, and if left un-
checked, it can result in catastrophic failures leading to environmental and eco-
nomic damages. 

The corrosion-based integrity analysis involves a systematic approach to iden-
tify, evaluate, and manage the risks associated with corrosion in offshore pipe-
lines. This analysis includes the use of both canonical formulae and technical 
data from Uyeghe Stubb Offshore Pipeline Project. The author considers corro-
sion based on changing environmental factors, like temperature, pH, composi-
tions of multiphase fluids, etc. under varying pressure loads and hydrostatic 
compressive stress. The results of the analysis provide critical information on the 
current condition of the pipeline; the rate of corrosion and the remaining life of 
the pipeline. This information helps operators to make informed decisions on 
maintenance and repair activities, ensuring the pipeline’s continued safe opera-
tion. It offers crucial data that enables operators to choose wisely between main-
tenance and repair options and adhere to legal obligations. Therefore, to ensure 
the continuous safe operation of Uyeghe Stubb Offshore Pipeline, it is crucial to 
carry out regular corrosion-based integrity evaluations. The investigation shows 
that the pipeline should not be used beyond 17 years, when failure probability is 
51%, else failure due to rupture is imminent. In conclusion, for durability and 
proper integrity management, subsea pipelines should be protected, monitored, 
and routinely maintained for abatement of corrosion and fit-for-purpose opera-
tion. 
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